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ABSTRACT: Condensate gas reservoirs have attracted increasing attention in recent years due to their
significant development potential and dual value from both natural gas and condensate oil. However,
their exploitation is often hindered by the dual challenges of retrograde condensation and water invasion,
which can markedly reduce recovery factors. CO, injection offers a promising solution by alleviating
condensate blockage, suppressing water influx, and simultaneously enabling geological CO, storage.
Accordingly, research on optimizing CO; injection to mitigate formation damage is critical for the efficient
development and management of edge- and bottom-water condensate gas reservoirs. In this study, a
long-core displacement mechanism model was constructed using CMG-GEM™ and WinProp™. The model
simulates reservoir depletion from initial conditions (41.2 MPa, 102.5°C) to the current reservoir pressure
(13.5 MPa), followed by gas injection. It was then upscaled to the edge- and bottom-water reservoir scale
to capture complex fluid phase behavior, enabling a multi-factor coupled optimization of CO, injection
strategies. Model reliability was verified through comparison with core experimental results. Subsequently,
the effects of geological parameters (e.g., reservoir permeability and rhythmic heterogeneity) and engineering
parameters (e.g., injection pressure and rate) on reservoir performance were systematically evaluated.
The results indicate that appropriate target zone selection and optimization of injection pressure and
rate—avoiding formation fracturing and preventing gas channeling—can substantially improve reservoir
development outcomes. Applying this approach to the K Gas Reservoir, the optimal strategy involved
injecting CO, at a rate of 5 x 10* m3/d, restoring pressure to 22.5 MPa in a composite rhythmic reservoir
with an average permeability of 10 mD. This scheme increased the condensate oil recovery factor by 18.7
percentage points (from 43.9% to 60.9%) while reducing the water-cut rise rate by approximately 34%.

KEYWORDS: CCUS; condensate gas reservoir; retrograde condensation; water invasion; CO; injection;
enhanced gas recovery (EGR)

1 Introduction

In recent years, the global transition in energy structure and the pursuit of carbon neutrality have
driven a surge in demand for clean energy sources such as natural gas [1-3], while the high-value
condensate oil from condensate gas reservoirs has further enhanced the economic viability of their
development [4-7]. However, developing condensate gas reservoirs faces two core challenges: First,
retrograde condensation phenomena caused by declining reservoir pressure [8-11]. Condensate
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dropout near the wellbore blocks pores, reducing gas relative permeability. Second, water blocking
effects triggered by edge/bottom water invasion, exacerbating gas well productivity decline and
water cut rise [12-14]. Together, these factors lead to ultimate recovery factors for condensate gas
reservoirs generally lower than those of conventional gas reservoirs, with condensate oil recovery
factors in some reservoirs even falling below 30% [15], highlighting an urgent need for improved
development efficiency [16,17].

Addressing these challenges, CO, injection technology has emerged as a research hotspot due
to its multi-functional benefits [18-21]. When injected into a condensate gas reservoir, CO, mitigates
retrograde condensate damage through physico-chemical mechanisms [22-24]: Condensate gas
reservoir fluids exhibit complex phase behavior, existing as gas under initial reservoir conditions.
As pressure drops below the dew-point pressure, heavy hydrocarbon components (C;*) drop
out as liquid condensate. CO, dissolves into condensate, reducing its viscosity and altering its
phase behavior, promoting the revaporization of the dropped-out liquid (the vaporizing effect).
Several researchers have conducted experiments on CO, injection for condensate damage removal.
Al-Abri et al. [25] performed high-pressure core flooding experiments, finding that after injecting
supercritical CO, (SCCO,), the relative permeabilities of both SCCO, and condensate oil improved
due to reduced interfacial tension and viscosity from CO; dissolution, which provided favorable
flow conditions and a more stable displacement front. The maximum condensate recovery was
achieved with pure SCCO, injection, reaching 80% of the condensate-in-place. Liu et al. [26]
conducted evaluation experiments for retrograde condensate remediation, discovering that CO,
injection increased gas relative permeability and alleviated condensate blockage; injection of
methane and CO, reduced condensate damage by approximately 80.62%. Wang [27] performed
long-core displacement experiments, demonstrating that CO, injection significantly reduces
residual oil viscosity and enhances mobility through strong swelling effects and efficient vaporizing
capacity. It vaporizes residual oil into the gas phase and synergistically triggers the reverse
condensation process—when the enriched gas mixture migrates to low-pressure zones, condensate
re-drops out, effectively reducing residual oil saturation. These studies confirm that when pressure
falls below the dew point, condensate saturation increases significantly near the wellbore, reducing
permeability and creating an “oil blocking” effect that severely constrains productivity. CO,
injection can markedly reduce condense saturation, slow the decline in dew-point pressure, reduce
oil-gas interfacial tension, and improve displacement efficiency.

However, experiments have limitations [18]: First, high costs hinder comprehensive sensitivity
analysis of multiple parameters (e.g., varying permeability, heterogeneity, injection rates), and
results can be stochastic due to core sample heterogeneity, leading to poor repeatability. Second,
replicating exact reservoir high-pressure and high-temperature conditions is difficult, causing
deviations in simulating supercritical CO, phase behavior and dynamic miscibility processes
with the oil. Third, real-time observation of condensate distribution, migration, and removal
within microscopic pores is challenging with conventional methods like CT scanning. Despite
these limitations, experiments provide essential data (recovery, pressure, fluid composition
changes). Numerical simulation of long-core displacement models is used to validate and calibrate
parameters using this experimental data. By matching experimental recovery, pressure gradients,
and breakthrough times, key parameters like relative permeability curves, diffusion coefficients, and
minimum miscibility pressure (MMP) can be history matched, ensuring model reliability in front
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advancement, recovery dynamics, and pressure response. Several researchers have successfully
matched experiments with numerical models. Su et al. [28] used CMG modeling, finding good
agreement between experimental results and PVT properties predicted by a tuned equation of state
based on CVD and CCE tests, demonstrating the composite method successfully reproduced initial
reservoir fluid phase behavior with acceptable accuracy. Hou et al. [29] used CMG software to
match P-V relations, dew-point pressure, gas-oil ratio, condensate density, retrograde liquid volume,
and P-T phase diagrams, finding calculated values very close to experimental data with relative
errors below 4%. Ahmed et al. [30] used Artificial Neural Networks to build predictive models
for CVD test performance, evaluated using root mean square error and correlation coefficient,
achieving fits above 94.8%. Therefore, history matching is essential and critical [31,32].
Concurrently, the water blocking effect induced by edge/bottom water invasion is equally
significant. Water influx not only reduces gas relative permeability but also forms zones of
high water saturation through capillary pressure adsorption, further exacerbating wellbore
blockage [33-35]. CO; injection can suppress water influx while enabling CO, storage: CO,-water
mixtures exhibit increased density, creating a “gas-water gravity segregation” effect that delays
water coning. Simultaneously, CO; is stored in the formation via dissolution, residual trapping,
and hydrodynamic trapping, achieving carbon reduction. Studies show CO, injection can increase
the CO, storage ratio in condensate gas reservoirs to over 30%, offering combined economic
and environmental benefits [36-38]. Due to the vastly smaller scale of laboratory cores compared
to actual reservoirs, which cannot fully replicate subsurface heterogeneity (e.g., fractures, pore
structure variations), the long-core numerical model was upscaled to a 3D full-field reservoir
simulation model. This model accounts for the dual effects of retrograde condensation and
water influx to simulate different development scenarios and output optimal injection strategies.
Narinesingh et al. [39] used CMG-GEM to model a gas reservoir, finding injection pressure promotes
revaporization of retrograde condensate, increasing condensate oil recovery factor by 16%. Shen
et al. [24] utilized a history-matched CMG reservoir model to study condensate recovery changes
under CO; injection rates from 0 to 100,000 SCM /D, identifying 1000 SCM/D as the optimal rate
maximizing condensate oil recovery factor improvement at 28.9%. Wang et al. [40] established a
CO; injection numerical model using CMG-GEM to investigate the impact of injection rate, pressure,
and volume on condensate recovery and CO, storage, ultimately optimizing parameters: injection
rate 7000 m®/d, injection volume 0.43 hydrocarbon pore volume (HCPV), and injection pressure
32 MPa. Zhao et al. [41] coupling a multiphase flow model with a retrograde condensate damage
model, found that under low permeability (<5 mD) conditions, increasing formation permeability
reduces the condensate dropout radius, significantly enhances gas flow capacity, and reduces skin
factor by 9.91%. Wang et al. [42] performed simulations in reservoirs with different rhythmic
sequences, discovering that inverse rhythmic reservoirs offer the best CO, storage efficiency,
while positive rhythmic reservoirs yield the highest recovery. Thus, inverse rhythmic reservoirs
are preferred for storage-dominated objectives, while positive rhythmic reservoirs are optimal
for displacement-focused goals. Hu et al. [43] developed a three-dimensional numerical model
to accurately simulate the flow behavior of carbon dioxide in highly heterogeneous carbonate
natural gas reservoirs. The study revealed that lower CO; injection rates and reduced interlayer
permeability differentials can delay CO, leakage, thereby enhancing gas recovery efficiency.
However, decreasing the injection rate also leads to reduced methane production and extends the
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duration of CO; injection operations. Wang [27] used a CMG-GEM 2D cross-sectional model of
injector-producer pairs, finding that both permeability and CO; injection volume impact CGR
recovery. When injection volume is less than 0.21 HCPV, CO; injection achieves the highest oil
recovery factory by most effectively vaporizing residual oil into the gas phase. Heterogeneity
causes injected gas to preferentially channel through high-permeability, low-water-saturation
paths, accelerating gas breakthrough; consequently, recovery gains from gas injection were only
2%—4% higher than depletion recovery. In addition to geological heterogeneity and engineering
controls such as injection pressure and rate, recent international studies highlight other critical
factors impacting reservoir performance. Khormali et al. [44] quantify the effects of calcium sulfate
precipitation during waterflooding on rock permeability using core experiments and ANN models.
They show that increased temperature, sulfate ion concentration, and injected pore volume, as
well as a reduced injection rate, all exacerbate scaling-induced permeability loss. Mansi et al. [45]
conducted a statistical analysis to evaluate the effectiveness of CO,-enhanced gas recovery and
sequestration in shale gas reservoirs. Their study identified fracture permeability, organic content,
CO, adsorption capacity, and well spacing as the primary factors controlling EGR performance.
These insights complement earlier Chinese and classical studies by underscoring the importance of
integrating chemical-mechanical formation damage and well-pattern optimization into reservoir
modeling and field-scale development strategies. However, despite these advances, many existing
studies tend to isolate geological factors (such as average permeability or rhythmicity) from
engineering controls (such as injection rate and pressure). There remains a lack of integrated
approaches that couple reservoir heterogeneity with injection optimization for well placement
and target design. This study addresses that gap by developing a multi-parameter simulation
framework that jointly considers stratified heterogeneity, CO, injection dynamics, and their coupled
effects on condensate recovery efficiency in gas-condensate reservoirs.

To gain deeper insights into the formation damage mechanisms in Block P and the impact of
CO; injection on reservoir recovery, this study conducted condensate damage removal experiments.
Real-time changes in formation pressure and o0il/gas composition at the outlet were monitored,
enabling the identification of distinct stages during CO; flooding. Numerical simulation methods
were employed to validate the reliability of the core-scale displacement model. Building on this, a
sector model or mechanistic reservoir simulation model was established. This model simulates
the impact of geological parameters like reservoir heterogeneity and rhythmic characteristics on
reservoir performance, and optimizes engineering parameters such as injection pressure (from
13.5 MPa to 30 MPa) and rate (from 10,000 m3/d to 60,000 m3/d). This work provides practical
guidance for enhancing recovery in edge/bottom water condensate gas reservoirs and holds
significant importance for adjusting gas injection development strategies in such reservoirs.

2 Condensate Damage Mitigation Experiment

2.1 Sample

CO, gas (purity 99.99%) was supplied by Chengdu Dongfang Electric Gas Co., Ltd. Formation
water was prepared in the laboratory based on the analysis report of formation water from the
condensate gas reservoir. It is of the NaHCO; type with a total salinity of 16,630 mg/L, and
was used for core saturation. Live reservoir fluid for displacement experiments was recombined
using surface separator oil and gas from production wells in Block P condensate gas reservoir,



Fluid Dyn Mater Process. 2025;21(9) 2335

following the Chinese Petroleum Industry Standard SY /T 5542-2009 (Methods for Analysis of Oil
and Gas Reservoir Fluid Properties) [46]. Real reservoir sandstone cores from the condensate gas
reservoir were used for the displacement experiments. Flash separation tests were performed on
the recombined samples to measure the gas-oil ratio. The composition of the flashed oil and flashed
gas was analyzed using gas chromatography. The composition data of the wellstream are presented
in Table 1. Condensate fluid was recombined at a condensate gas-oil ratio of 4100 m®/m? under
reservoir conditions of 41.2 MPa and 102.5°C. Real reservoir sandstone cores from the condensate
gas reservoir were used for the displacement experiments, core basic petrophysical properties are
presented in Table 2. These cores were obtained from Block P, the primary producing block of the
field, which was selected through a rigorous screening process based on its representative geological
properties (porosity, permeability, and fluid composition) consistent with the reservoir’s main
development targets. This ensures the experimental results directly address the key production
challenges of the field.

Table 1: Composition of recombined sample.

Component Well Stream/mol% Flashed Gas/mol% Flashed Oil/mol%
CO, 0.37 0.38 -
Ny 2.01 2.06 -
C; 85.29 87.37 -
G 5.54 5.67 0.01
Cs 1.92 1.97 0.07
iCy 0.55 0.56 0.14
nCy 0.74 0.75 0.40
iCs 0.28 0.27 0.71
nCs 0.35 0.33 1.34
Ce 0.51 0.37 6.15
Cy 0.41 0.15 11.12
Cs 0.51 0.12 16.51
Co 0.32 - 13.46
Cio 0.26 - 10.85
Cp* 0.95 - 39.25

Table 2: Core basic petrophysical properties.

Diameter Permeability

Core ID Length (cm) (cm) Pore Volume  Porosity (%) (mD) Outlet
1 6.334 2.50 2.66 9.42 8.57 Z/\
2 5.895 2.50 1.77 6.41 6.14
3 2.5 2.50 0.98 15.82 8.07
4 6.303 2.50 2.28 2.39 7.40
5 6.163 2.50 2.66 4.63 8.82
6 6.122 2.50 2.68 3.81 8.93
7 6.14 2.50 2.73 3.93 9.08
8 441 2.50 1.62 1.15 7.50
mean - 2.50 - 5.94 8.06 —
Total 43.867 - 17.38 - - Inlet

2.2 Experimental Apparatus

The displacement experiments were conducted under reservoir conditions of 102.5°C and
41.2 MPa using a long-core flooding apparatus. As shown in Fig. 1, the experimental setup consisted of
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three main systems: (1) an injection system comprising injection pumps, fluid sample containers,
and transfer vessels; (2) a core-holder system with a Hassler-type cell rated for 70 MPa operation;
and (3) a production system equipped with back-pressure regulation and phase separation
capabilities. The complete apparatus included precision metering pumps (£0.01 mL/min accuracy),
a temperature-controlled air bath (+0.5°C stability), intermediate containers, and real-time
monitoring instruments (pressure transducers and flow meters) to record experimental data.

Automated

controlconsole -

I
I
Pressure | L___t=z=IZSIZZiITTTToos -

Digital pressure !

Production pump

_________________

controller

R EEEE

L5: Feed Gas

ase separation

Thermal Oven vessel

Core holder Core :
l
| Solenoid control vaive
[
[
|
1
L1: Condensate Gas I 9
L2: Formation Water |
L3N ! i
L+:CO2 : Gas flow meter
|
|
|
|
1

pressure pump |

Injecionpump L t———— e

Figure 1: Schematic flow diagram of the experimental apparatus.
2.3 Experimental Procedure

Eight core samples with comparable petrophysical properties were obtained from the P block,
with a total length of 43.87 cm. Cores were cleaned, saturated with formation brine, and flooded
with oil to establish irreducible water saturation. A recombined fluid mixture was then injected to
restore the initial gas saturation. Prior to each gas injection test, the core was pressure-depleted
to the target level, followed by gas injection to MMP + 2-5 MPa. The system was shut in for 12 h
to ensure equilibrium. Subsequently, displacement was performed at a constant injection rate
of 0.1 mL/min until no oil was produced. Pressure and production volumes were continuously
monitored throughout the experiment (Table 3).

Table 3: Experimental parameters.

Injection

Medium Fluid Type Experimental Scope
(1) Depletion from initial reservoir pressure (41.2 MPa) to
co Original Reservoir Fluid in Block P current reservoir pressure (13.5 MPa)
p)

Condensate Gas Reservoir (2) CO; injection to repressurize to 16.5 MPa and 22.5 MPa
for displacement tests

2.4 Experimental Results

Existing data indicate that the minimum miscibility pressure (MMP) for the condensate gas
reservoir is 21.5 MPa. In the experimental displacement design, CO, injection was conducted at
13.5 MPa, followed by production after pressure restoration to 23.5 MPa and 16.5 MPa, respectively.
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This approach aims to simulate CO, miscible flooding and CO, immiscible flooding development
methods. Fig. 2 illustrates condensate production and recovery factor variation during the depletion
development stage. In the initial high-pressure phase, hydrocarbon phase behavior remains stable,
with condensate existing as a liquid phase in rock pores, facilitating its displacement toward
production wells. Consequently, the recovery factor gradually increases. The gas-to-liquid ratio
shows no significant variation, resulting in minor fluctuations in the gas-oil ratio (GOR). However,
as pressure further declines, displacement efficiency progressively diminishes, causing the growth
rate of condensate recovery to flatten. Concurrently, condensate undergoes phase transition from
liquid to vapor, triggering a sharp rise in GOR. When pressure decreased from 41.2 MPa to
13.5 MPa, the condensate recovery factor reached 26.21%, while the GOR increased substantially to
8241 m3/m?.
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Figure 2: Condensate recovery factor and gas-oil ratio variation during depletion development.

Fig. 3 depicts condensate recovery factor and gas-oil ratio variation under CO, immiscible
flooding, with the displacement process segmented into three phases: During the minimal
gas production phase (HCPV < 0.8), constant-rate and constant-pressure CO; injection limited
hydrocarbon production at the outlet, resulting in gradual increases in both gas-oil ratio and
recovery factor; as injection progresses to 0.51 HCPV, continuous gas flow pathways develop within
the pore network, triggering a significant surge in gas production and a sharp gas-oil ratio escalation.
At 0.8 HCPV when CO; breakthrough occurs, substantial CO, directly contacts unswept-zone
condensate, markedly enhancing displacement efficiency through oil-phase viscosity reduction and
extraction of intermediate hydrocarbon components (C,—C¢), while constant-pressure displacement
suppresses retrograde evaporation—collectively promoting liquid hydrocarbon production in
vapor phase. Consequently, the gas-oil ratio growth rate decelerates due to efficient mobilization of
movable o0il and reduced formation of new gas channeling pathways.

After CO, breakthrough at 0.8 HCPV, although CO, initially enhances displacement efficiency
via viscosity reduction and extraction of intermediate hydrocarbons (C>—Cg), the movable
condensate is nearly depleted as injection enters the “gas channeling phase” beyond 0.91 HCPV.
Two key constraints emerge: First, immiscible displacement inherently fails to eliminate interfacial
tension, leaving residual oil trapped in low-permeability zones unrecoverable. Second, geological
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heterogeneity causes CO, to preferentially channel through high-permeability paths, leading to
inefficient recirculation that cannot access bypassed condensate in low-permeability regions. Thus,
the recovery factor stabilizes at 32.76%, reflecting inherent limitations of immiscible displacement
(inability to eliminate interfacial tension for residual oil mobilization under immiscible pressure)
and geological heterogeneity (bypassed condensate in low-permeability zones). This also reflects
that there is an “effective injection threshold” in CO, immiscible flooding, providing a basis for
optimizing injection parameters and tapping remaining oil in subsequent development.
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Figure 3: Condensate recovery factor and gas-oil ratio variation under CO, immiscible flooding.

Fig. 4 presents condensate recovery factor and gas-oil ratio variation under CO, miscible
flooding, delineating four injection phases: During the gas-free production phase (HCPV < 0.38),
under miscible pressure conditions, CO; fully dissolves into condensate forming a miscible
front where injected gas remains entirely solubilized without independent gas flow, resulting
in exclusive production of degassed condensate at the outlet. The minimal gas production phase
(HCPV = 0.38-1.05) exhibits advancing miscible front movement toward the production well, with
partial CO; breaking through as free gas ahead of the oil phase, yielding trace associated gas at
the outlet and gradual gas-oil ratio (GOR) increase while oil production remains constrained by
incomplete interwell connectivity of the miscible zone. At gas breakthrough (HCPV = 1.05-1.83),
miscible front arrival triggers three pivotal mechanisms: (1) Miscible extraction achieving
dynamic miscibility that eliminates interfacial tension, efficiently vaporizing light-to-intermediate
hydrocarbons (Co—Cap); (2) Viscosity plunge reducing oil viscosity to 1/10-1/20 of original
values, drastically enhancing mobility; (3) Volumetric expansion exceeding 150% that drives
significant residual oil toward the wellbore. Collectively, these propel condensate recovery from
pre-breakthrough accumulation to 44.77% with concurrent GOR surge. In the gas channeling
phase (HCPV > 1.83), movable oil depletion within the swept zone enables CO,-dominated flow
through high-permeability channels, yielding >85% CO, content in produced gas with near-zero
condensate output and renewed GOR escalation. The ultimate recovery stabilizes at 44.77%,
demonstrating both miscible flooding constraints (=55% oil in low-permeability zones bypassed
due to heterogeneity) and advantages (12.01% incremental recovery over immiscible flooding’s
32.76% through capillary resistance elimination).
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Figure 4: Condensate recovery factor and gas-oil ratio variation under CO, miscible flooding.

When injection pressure exceeds the minimum miscibility pressure (MMP), complete
miscibility between CO, and condensate is achieved, reducing interfacial tension to near-zero
levels. This condition fundamentally suppresses viscous fingering during gas-liquid flow while
significantly improving the mobility ratio—typically decreasing from 10-50 in immiscible states
to 1-5 under miscible conditions. The resultant uniform displacement front slows CO, frontal
advancement, delaying gas breakthrough from 0.8 HCPV in immiscible flooding to 1.05 HCPV. This
breakthrough postponement directly enhances recovery through three mechanisms: (1) Expanded
microscopic sweep efficiency: The extended pre-breakthrough period allows full development
of the miscible zone, enabling effective extraction of condensate from low-permeability regions
via high solvency power of CO,; (2) Optimized displacement mechanism: Single-phase flow in
the miscible state eliminates capillary trapping effects; (3) Component gradient enhancement:
Sustained “extraction-condensation” equilibrium at the advancing front cyclically vaporizes
intermediate hydrocarbons (Cs5-Cjzp), boosting condensate vaporization efficiency by 2-3 fold.
Fundamentally, CO; injection above MMP inhibits viscous fingering through interfacial tension
elimination, where breakthrough delay represents spatial expansion of efficient extraction processes.
This temporal extension enables thorough maturation of the miscible front, ultimately achieving
step-change recovery improvement via phase transformation mechanisms (liquid oil-miscible
zone-hydrocarbon-enriched vapor phase), establishing CO, miscible flooding as the technical
cornerstone for efficient condensate reservoir development.

3 Core-Scale Numerical Validation
3.1 Model Parameter Configuration

This section establishes a core flooding model using the K Gas Reservoir in Block P as a case
study, implemented through the numerical simulation software CMG-GEM™ 2022 (Fig. 5). While

this process cannot fully characterize the entire reservoir, it accurately captures flow dynamics
and compositional changes within the formation. The model geometry replicates actual core
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dimensions, with core-scale modeling parameters detailed in Table 2 and saturation parameters for
oil displacement modeling provided in Table 4.
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Figure 5: Long-core oil displacement model for Block P (CMG-GEM™, Ver.2022)

Table 4: Core flooding modeling saturation parameters.

Bulk Res(ecr:rrl(;l)r Volume Pore Volume (cm?)

212.32 11.29 7.40 34.45

Hydrocarbon I;ore Water Saturation (%)
Volume (cm?)

3.2 Fluid Phase Behavior and Properties

To establish the PVT equation for the condensate gas reservoir, reservoir fluid characterization
was performed through analysis of experimental data including: Bubble point determination,
Single-stage flash separation, Constant composition expansion (CCE) and Constant volume
depletion (CVD) test. The crude oil composition and ratios of model reflect actual original reservoir
fluid properties. Components above Cy; are grouped as Cy;* with a specific gravity of 0.8212 g/cm?
and molecular weight of 205.1 g/mol (see Table 1). Key state parameters for the PVT equation were
derived using the WinProp™ phase behavior simulator within CMG 2022, with flash separation and
bubble point determination fitting results presented in Table 5, while CCE and CVD experimental
tits are shown in Figs. 6 and 7, respectively. Based on fluid similarity criteria [47], the original
reservoir fluid was partitioned into 7 pseudo-components. The Cy;* fraction exhibits a molecular
weight of 406.1 g/mol (detailed in Table 6).
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Figure 6: CCE experimental data fitting plot.
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Figure 7: CVD experimental data fitting plot.

Table 5: Fitted results of single flash tests and saturation pressure (at a reservoir temperature of 102.5°C).

Index Experiment Simulation Relative Error
Gas oil ratio (m?®/m?) 4100.00 4112.56 —0.31%
Condensate oil density (g/cm?) 247.80 247.80 0%
Condensate gas volume factor 0.0038 0.0035 0.79%
Saturation pressure (MPa) 38.93 38.93 0%

Table 6: Compositional fitting results of original reservoir fluid PVT properties.

Pseudo-Component Composition %
CO, 0.37
N, +C 87.28
Cr to Cq 9.89
Cr to Cqg 15
Ci1t0Cys 0.7
Ci6 to Cyp 0.17
Cy* 0.09
3.3 Model Validation

3.3.1 Depletion Stage

Fig. 8 compares simulated versus experimental condensate recovery factors under varying
reservoir pressures during depletion, confirming exceptional agreement between numerical
simulations and experimental results throughout this stage. Based on the regression relationship,
the coefficient of determination (R?) was calculated to be 98.67%, indicating a high level of accuracy
in the simulation and a strong correlation with experimental data.
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Figure 8: Fitting results for depletion stage.
3.3.2 CO;, Immiscible Flooding Stage

Fig. 9 compares the simulated and experimental condensate oil recovery factors under different
CO; injection volumes during the immiscible flooding stage of the condensate reservoir, with
an overall good agreement between the two datasets. Both indicate that when the bottom-hole
pressure drops below the dew-point pressure, condensate blockage significantly impairs reservoir
productivity and causes substantial condensate oil loss. However, across the entire recovery factor
titting curve, the simulated values consistently exceed the experimental measurements. This
discrepancy stems from multiple factors: component lumping effects, where the simulation groups
Cy1* fractions into a single pseudocomponent, potentially overestimating the solubility of CO,
with heavy fractions and leading to optimistic recovery predictions; experimental uncertainties,
such as heterogeneous initial saturation distribution in core samples, pressure control fluctuations,
and measurement errors of produced fluids (especially volatilization losses of condensate oil
during phase separation); in addition, due to partial immiscibility in the core, the experimental
condensate viscosity is higher than the simulated value, reducing the actual displacement efficiency;
the simulated fluid density is lower than the experimental data due to simplified PVT models,
which affects gravity-driven flow and overestimates sweep efficiency; meanwhile, core samples
exhibit heterogeneous porosity (1.15-15.82%) and micro-fractures that trap residual oil, whereas
the simulation uses homogeneous porosity (average 5.94%), underestimating residual saturation
and overpredicting recovery. Based on the regression relationship, the coefficient of determination
(R?) was calculated to be 93.5%.

3.3.3 CO, Miscible Flooding Stage

Fig. 10 presents a similar comparison for the miscible flooding stage. The discrepancies
between experimental and simulated values arise from several factors, including the simulation
assuming homogeneous reservoirs, ideal phase behavior, and fixed relative permeability curves,
whereas experimental heterogeneities, wettability variations, and capillary end effects reduce
sweep efficiency; the simulation determines miscibility based on minimum miscibility pressure
(MMP), while dynamic flow phenomena such as viscous fingering in experiments cause local
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immiscibility, lowering actual recovery; furthermore, the simulation assumes equilibrium phase
behavior, while experimental temperature gradients (2-3°C) and pressure fluctuations (+0.3 MPa)
induce non-equilibrium condensate dropout, increasing residual oil; experimental cores have
variable porosity (1.15-15.82%) with low-permeability zones acting as barriers, whereas the
simulation uses average porosity, overestimating CO, diffusion and underestimating bypassed
oil; In the simulation, the interfacial tension under miscible conditions is set to near zero, but the
experimental values remain at 0.01 to 0.03 mN/m due to local compositional variations, thereby
weakening the displacement efficiency. Based on the regression relationship, the coefficient of
determination (R?) was calculated to be 97.75%.
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Figure 9: Fitting results for CO, immiscible flooding stage.

The close agreement between experimental and simulated results (Figs. 8-10) confirm the
reliability of the core-scale model. This linkage between core experiments and numerical simulations
ensures that the key mechanisms (e.g., retrograde condensation and CO,-condensate interactions)
captured at the core scale can be reliably extrapolated to reservoir-scale simulations, enhancing the
explanatory power of our findings for Block P’s specific dynamics.
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Figure 10: Fitting results for CO, miscible flooding stage.
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4 Field-Scale Numerical Simulation

4.1 Model Parameter Configuration

The simulation model employs a Cartesian grid with 31 x 31 x 20 cells (Fig. 11), where each
grid block is 30 m x 30 m x 1 m. The reference depth is set at 3880 m, with an initial reservoir
pressure of 41.2 MPa and formation temperature of 102.5°C. Connate water saturation is initialized
at 34%, and the rock compressibility is 0.91 x 1077 1/kPa. One CO; injection well (inj-1) and one
production well are placed at distinct locations within the model, as shown in Fig. 11, representing
a simplified line-drive configuration.

3,880 3,882 3,884 3,886 3,888 3,890 3,891 3,893 3,895 3,897 3,899

Figure 11: Three-dimensional grid schematic of the mechanistic model.

Relative permeability curves for all fluid phases are derived from core experiments and modeled
using Corey-type correlations. For oil-water systems, end-point relative permeabilities are set as
Kro = 0.8 (oil) and Krw = 0.25 (water), with Corey exponents of 3.0 and 2.2, respectively (Fig. 12a). For
gas-water systems, end-point values are Krg = 0.9 (gas) and Krw = 0.25 (water), with Corey exponents
of 2.5 and 2.2, respectively (Fig. 12b). These curves are input into CMG-GEM as tabular data to
ensure accurate interpolation across varying saturation ranges, directly influencing displacement
front stability and CO, sweep efficiency. Capillary pressure is characterized using the Brooks-Corey
model, with an entry pressure of 0.8 MPa and a pore-size distribution index (A) of 2.0 (Fig. 13).
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Figure 12: Relative Permeability Curves: (a) Oil-Water Relative Permeability Curve. (b) Gas-Water Relative
Permeability Curve.
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4.2 Parameter Sensitivity Analysis

This model investigates the impact of CO, injection on condensate oil recovery under varying
permeability conditions, vertical heterogeneity patterns, injection pressures and injection rates. The
findings will inform optimal well placement and dynamic production strategy adjustment through
injection parameter optimization. The designed simulation cases are detailed in Table 7.

Table 7: Parameter design for numerical simulation cases.

Influencing Factors Scheme Parameters

1mD
Permeability 10 mD
50 mD

positive rythym
Heterogeneity reverse rythym
composite rythym

13.5 MPa

16.5 MPa

22.5 MPa
30 MPa

2 x10*m3/d
3x10*m3/d
Injection rate 4 x104m3/d
5x 10* m3/d
6 x 10*m3/d

Injection pressure

4.2.1 Average Permeability

Under a controlled production rate of 50,000 m?3/d, simulations evaluated CO, injection
effects over 10 years after depleting to 13.5 MPa in reservoirs with permeabilities of 1 mD, 10 mD
and 50 mD. Fig. 14 illustrates condensate recovery factor and water cut variations. Condensate
recovery increases with permeability due to higher CO, displacement efficiency and superior
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gas mobility in high-permeability systems, which effectively mobilize condensate and reduce
water cut. Specifically, as permeability increases from 1 mD to 50 mD, the 10-year condensate
recovery factor rises by 12.3 percentage points (from 45.2% to 57.5%), with the most significant
gain (7.1 percentage points) observed between 1 mD and 10 mD. For water cut dynamics, 1 mD
reservoirs reach 0.45 by 2034, while 10 mD reservoirs remain below 0.30 until 2040; all cases show an
inflection point in 2029, coinciding with CO; injection initiation in 2028, confirming gas injection’s
effect on delaying water cut rise. All reservoir cases complete depletion in 2028 (pressure dropping
to 13.5 MPa) and initiate CO; injection immediately; high-permeability (50 mD) reservoirs extend
production to 2040—4 years longer than 1 mD reservoirs (producing until 2036). This difference
directly reflects higher gas mobility and slower water breakthrough in high-perm systems, with
a water cone advancement rate (0.8 m/year) only 53% of that in 1 mD reservoirs (1.5 m/year).
Conversely, low-permeability reservoirs exhibit inefficient CO, displacement fronts, restricted
gas migration, and limited sweep—where competitive gas-water flow causes localized pressure
fluctuations, merely delaying water cut rise. Permeability governs gas channeling velocity and
sweep efficiency: High-permeability systems facilitate stable CO, fronts that enhance recovery
through gravity segregation and viscous fingering, displacing residual oil.

Fig. 15 presents water saturation distributions during CO,-enhanced recovery in reservoirs
with different average permeabilities. Low-permeability reservoirs experience severe water
encroachment with poor CO, containment due to: (i) slow pressure transmission creating a pressure
sink near producers, enabling bottomwater coning through high-perm channels; and (ii) limited
CO, diffusion preventing stable gas-cap barriers, allowing water relative permeability dominance
and rapid aquifer influx. In high-permeability systems, CO, rapidly breakthroughs via preferential
paths without sufficient competition with bottomwater, resulting in unstable gas-water interfaces
and early gas channeling, thus offering limited water control. Moderate-permeability reservoirs
(10 mD) may achieve optimal balance. Quantitative analysis shows: 1 mD reservoirs exhibit water
cones with a ~65° angle, 8.2 m vertical height (spanning 8-9 K-grids), extending 12 m from the well;
10 mD reservoirs have ~40° cones, 4.5 m height, confined within 6 m of the well. After 10 years of
injection, 10 mD reservoirs achieve an 18 m radial CO, sweep, pushing high water saturation (>0.6)
5-7 m from the well—twice the range of 1 mD reservoirs.
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Figure 14: Condensate recovery and water cut under varying permeability: (a) Condensate recovery factor.
(b) Water cut.
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Figure 15: Water saturation distribution during reservoir development under varying permeability
conditions: (a) 1 mD reservoir before gas injection. (b) 10 mD reservoir before gas injection. (¢) 50 mD
reservoir before gas injection. (d) 1 mD reservoir after 10 years of gas injection. (e) 10 mD reservoir after 10
years of gas injection. (f) 50 mD reservoir after 10 years of gas injection.

4.2.2 Heterogeneity

Building on prior findings, the 10 mD average permeability scenario demonstrated optimal
recovery performance. Consequently, simulations evaluated CO; injection over 10 years following
depletion to 13.5 MPa in reservoirs exhibiting positive, reverse and composite rhythmicity patterns
(all averaging 10 mD permeability). Fig. 16 illustrates condensate recovery factors and water
cut trends. The composite rhythmic reservoir achieved the highest recovery due to alternating
vertical permeability distribution: CO, preferentially entered mid-section high-perm zones before
bidirectionally diffusing, expanding sweep coverage to effectively displace condensate from central
and partial upper/lower intervals. Simultaneously, heterogeneity mitigated extreme gas channeling
and water encroachment, balancing displacement efficiency with aquifer control. Positive rhythmic
reservoirs exhibited superior water encroachment suppression as CO, formed gas barriers in
basic high-perm zones, though accelerated bottomwater coning through porous media caused
severe water saturation rise. Reverse and composite rhythmic patterns experienced less water
encroachment—reverse reservoirs developed stable gas caps suppressing bottomwater rise, while
composite systems partially blocked aquifer pathways through mid-section displacement. Both
displayed comparable water control, though reverse rhythmicity’s low-perm basic zones limited
recovery. Reservoir heterogeneity governs the trade-off between CO, sweep efficiency and water
encroachment risk, with compound rhythmicity optimizing displacement coverage and risk
distribution, positive rhythmicity highlighting the displacement-aquifer conflict, and reverse
rhythmicity compensating for local displacement deficiencies through water suppression. Specific
data show: The 10-year recovery of composite rhythmic reservoirs reaches 58.6%, 6.3 percentage
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points higher than positive rhythmic reservoirs (52.3%) and 8.5 percentage points higher than
reverse rhythmic reservoirs (50.1%). For water cut, composite rhythmic reservoirs exhibit the lowest
annual rise rate (0.02), with a water cut of 0.32 by 2040, significantly lower than positive (0.41) and
reverse (0.38) rhythms. All rhythmic reservoirs show a water cut inflection point in 2029, coinciding
with CO; injection initiation in 2028, confirming gas injection as the key to suppressing water
cut rise. All reservoirs completed depletion (pressure 13.5 MPa) and initiated injection in 2028,
with composite rhythmic reservoirs having the longest production cycle (until 2040), followed by
positive (2038) and reverse (2037) rhythms, reflecting composite rhythm’s advantages in energy
retention and water invasion control.
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Figure 16: Condensate recovery and water cut with varying heterogeneity patterns: (a) Condensate recovery
factor. (b) Water cut.

Fig. 17 depicts oil saturation distribution with different heterogeneity patterns. In positive
rhythmic reservoirs, buoyancy-driven CO, migrated toward the reservoir top, displacing basic
condensate upward while bottom water coning through high-perm layers left residual oil trapped in
low-perm upper zones. Reverse rhythmic systems experienced limited downward CO, migration
due to gravity effects, yielding minimal displacement of capillary-trapped basic condensate.
Composite rhythmic reservoirs demonstrated superior dynamics: Injected CO; first penetrated
mid-section high-perm zones, laterally displacing condensate before buoyancy and capillary forces
enabled upward migration through micro-fractures or interlayer discontinuities; concurrently,
gravity and pressure gradients drove downward advancement in an inverted cone-shaped advance.
This 3D expansion leveraged interlayer heterogeneity to contact oil-bearing upper/lower zones
beyond single high-perm layers, achieving optimal displacement efficiency. Quantitative analysis
shows: After gas injection in composite rhythmic reservoirs, oil saturation in high-perm intervals
(10-15 mD) drops from initial 0.04 to below 0.01, forming a gentle oil cone (angle ~30°) with
an oil sweep range of 15 m (distance from the well)—50% higher than positive rhythms (10 m)
and 87.5% higher than reverse rhythms (8 m). The gas-injection oil displacement range reaches
12 m radially, with residual oil saturation in high-perm strips dropping to 0.008 and in low-perm
intervals (5-8 mD) to below 0.02, significantly outperforming positive rhythms (residual oil 0.035
in low-perm zones) and reverse rhythms (residual o0il 0.025 in high-perm zones).
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Figure 17: Oil saturation distribution under varying heterogeneity patterns: (a) Positive rhythmic reservoir
before gas injection. (b) Reverse rhythmic reservoir before gas injection. (¢) Composite rhythmic reservoir
before gas injection. (d) Positive rhythmic reservoir after 10 years of gas injection. (e) Reverse rhythmic
reservoir after 10 years of gas injection. (f) Composite reservoir after 10 years of gas injection.

4.2.3 Injection Pressure

Based on the research from the previous section, the development of condensate gas reservoirs
using CO; injection in a composite rthythmic pattern yields the best results. Therefore, based
on numerical simulations of the composite rhythmic pattern, the effects of CO; injection for 10
years under different injection pressures (13.5 MPa, 16.5 MPa, 22.5 MPa, and 30 MPa) following
depletion were simulated. The changes in condensate gas reservoir recovery factor and water
cut are shown in Fig. 18. Quantitative analysis of Fig. 16 reveals that at 13.5 MPa, the 10-year
condensate recovery factor is 43.7%; at 16.5 MPa, it increases to 48.9% (+5.2 percentage points); at
22.5 MPa (above MMP), it jumps to 60.9% (+12.0 percentage points vs. 16.5 MPa); at 30 MPa, it
reaches 61.2% (+0.3 percentage points vs. 22.5 MPa), with water cuts of 0.52, 0.47, 0.35, and 0.34
by 2040, respectively. A consistent inflection point occurs in 2029 across all cases, immediately
after CO, injection initiation in 2028, while production cycles differ by pressure: 13.5 MPa ends
in 2036, 16.5 MPa in 2038, 22.5 MPa and 30 MPa extend to 2040. The results indicate that during
CO; flooding, the higher the formation pressure recovery, the better the suppression of water
invasion, and the more effective CO; injection is at improving condensate oil recovery. As the
injection pressure increases, the recovery rate improves significantly. This is because at 21.5 MPa,
the minimum miscibility pressure (MMP) is reached, and CO, forms a miscible phase with the
condensate oil. The interfacial tension approaches zero, enhancing mobility, while the CO, diffusion
area expands. As a result, condensate oil saturation significantly decreases (see Fig. 19). Fig. 19
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shows that at 22.5 MPa, CO, forms a broad front with a ~25° angle, extending 22 m radially—1.8
times the range at 13.5 MPa—reducing oil saturation from 0.04 to <0.01 in 75% of the swept area,
with displacement covering 18 m radially, compared to 10 m at 13.5 MPa. In the case of immiscible
displacement (at 13.5 MPa and 16.5 MPa), the CO; displacement energy is insufficient, and the
bottom water advances along the high-permeability layers, causing the water cut to rise rapidly.
In miscible displacement (at 22.5 MPa and 30 MPa), CO; occupies the pores and forms a gas

displacement barrier, which suppresses the water invasion path, thereby slowing down the increase
in water cut.
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Figure 18: Condensate recovery and water cut under varying injection pressures: (a) Condensate recovery
factor. (b) Water cut.
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Figure 19: CO;, migration and condensate oil saturation changes under different injection pressures after
10 years: (a) CO; migration at 13.5 MPa. (b) CO; migration at 16.5 MPa. (c) CO; migration at 22.5 MPa

(d) Condensate oil saturation at 13.5 MPa. (e) Condensate o0il saturation at 16.5 MPa. (f) Condensate oil
saturation at 22.5 MPa.
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4.2.4 Injection Rate

Based on the previous study, CO; injection at a pressure of 22.5 MPa under the composite
rhythmic model yields the best development performance for the condensate gas reservoir. Building
upon this model, the effect of varying injection rates from 2 x 10* m3/d to 6 x 10* m3/d over
a 10-year production period was investigated. Quantitative analysis of Fig. 20 shows distinct
trends across injection rates: At2 x 10* m®/d, the 10-year condensate recovery factor is 52.6%,
with a water cut of 0.48 by 2040; at 3 x 10* m3/d, recovery rises to 55.8% (+3.2 percentage points)
and water cut drops to 0.43; at 4 x 10* m3/d, recovery reaches 58.9% (+3.1 percentage points)
with a water cut of 0.39; at 5 x 10* m?/d, recovery peaks at 60.9% (+2.0 percentage points) and
water cut stabilizes at 0.35; at 6 x 10* m3/d, recovery only increases marginally to 61.2% (+0.3
percentage points) while water cut rises slightly to 0.36 due to gas channeling. A consistent water
cut inflection point occurs in 2029 for all cases, immediately following CO, injection initiation in
2028, confirming the causal link to gas injection. All scenarios complete depletion by 2028 (pressure
13.5 MPa) and start injection simultaneously, but production cycles differ: 2 x 10%-4 x 10* m3/d
terminate in 2038, while 5 x 10*-6 x 10* m3/d extend to 2040 due to sustained energy support.
As shown in Fig. 20, increasing the injection rate leads to a slower rise in water cut, indicating a
more effective suppression of bottom-water coning and a greater improvement in condensate oil
recovery. When the injection rate increases from 2 x 10* m3/d to 6 x 10* m3/d, the oil recovery
improves significantly. This is because a higher injection rate can rapidly replenish reservoir energy,
enhance the lateral sweep efficiency of CO;, and drive more condensate oil toward the production
wells, as illustrated in Fig. 21. Fig. 21 reveals detailed oil saturation changes: At 5 x 10* m®/d, oil
saturation in high-permeability zones (10-15 mD) drops from 0.04 to below 0.01, forming a gentle
displacement front with a radial angle of ~25°, extending 18 m from the well—1.5 times the sweep
range of 2 X 10* m3/d (12 m). Residual oil saturation (>0.02) is confined to areas 8 m beyond the
wellbore, compared to 5 m at 6 x 10* m>/d (due to gas channeling creating steeper fronts with ~40°
angles). CO,-driven oil displacement covers 15 m radially at 5 x 10* m?®/d, pushing residual oil
6-8 m away from high-permeability channels, whereas 6 x 10* m?/d shows uneven displacement
with localized saturation spikes near the well. Simultaneously, miscible displacement reduces
interfacial tension and improves fluid mobility. At high injection rates (greater than 5 x 10* m3/d),
CO; occupies the pore space and forms a gas-drive barrier, effectively suppressing bottom-water
intrusion along high-permeability layers, thereby slowing the water cut increase. However, when
the injection rate exceeds 5 x 10* m?/d, the risk of gas channeling intensifies. The gas front
may prematurely break through to production wells, resulting in reduced sweep efficiency and
diminishing incremental oil recovery. Therefore, the injection rate must strike a balance between
reservoir energy support and the risk of gas channeling. An injection rate of 5 x 10* m3/d is
identified as the critical threshold, optimizing both condensate oil displacement efficiency and
water invasion control. Beyond this rate, gas channeling leads to diminishing marginal returns,
indicating the need for integrated technical and economic optimization.

In summary, the preceding analyses focus on the individual impacts of geological (e.g.,
permeability, heterogeneity) and engineering parameters (e.g., injection pressure, rate) on
condensate recovery. However, most previous studies neglect the coupling between geological
features and engineering controls, which often results in suboptimal or oversimplified injection
designs. To address this, a geological-engineering integrated optimization framework is proposed.
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Based on permeability—rhythmicity zonation, this framework incorporates sensitivity results for
injection rate and pressure, enabling a collaborative parameter screening process. A 3D optimization
map (see Fig. 22) is developed, offering a quantitative reference for zone selection and strategy
formulation in CO, flooding design.
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Figure 20: Condensate recovery and water cut under varying injection rates: (a) Condensate recovery factor.
(b) Water cut.
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Figure 21: Condensate oil saturation changes under different injection rates: (a) 2 x 10* m3/ds.
(b) 3 x 10* m3/d. (c) 4 x 10* m3/d for 10 years. (d) 5 x 10* m3/d. (e) 6 x 10* m3/d.
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Figure 22: Coupled optimization of geological and engineering parameters.

4.3 Parameter Optimization

Based on the results of numerical simulation studies, this research proposes a collaborative
development scheme that integrates reservoir geological characteristics and dynamic development
regulation. To optimize the key operational parameters within this scheme, statistical tools including
Analysis of Variance (ANOVA) and Response Surface Methodology (RSM) were employed: ANOVA
was first used to identify significant influencing factors by evaluating the impact of variables such
as average permeability, heterogeneity, injection rate and injection pressure on condensate oil
recovery and water cut increase rate, so as to identify which variable is the most critical influencing
factor. RSM was then applied to construct a response surface model, optimizing the combination of
these significant factors to maximize recovery while minimizing water cut rise.

The optimized collaborative development scheme is as follows: During the reservoir selection
phase, priority should be given to composite rhythmic reservoirs with moderate vertical
permeability contrasts and continuous distribution of caprock layers as the target area. These
reservoirs not only have good vertical connectivity but also have natural caprock layers to suppress
bottom water cone development. During the development phase, a three-stage progressive
development strategy is adopted: initially, an elastic depletion extraction is implemented with a
production rate of 5 x 10* m3/d (optimized via RSM). When the formation pressure drops to the
critical transition pressure of 13.5 MPa (identified through ANOVA as a key threshold), CO, gas
injection and pressure maintenance collaborative engineering is initiated, using a “segment plug
injection + periodic shut-in” composite gas injection process (with slug size and shut-in duration
optimized by RSM) to rebuild the reservoir pressure system to 22.5 MPa. After the pressure recovery,
the system transitions to a constant pressure production phase at 5 x 10* m®/d. This approach relies
on a real-time dynamic monitoring system (including downhole fiber optic DTS, production fluid
profiling instruments, etc.) to construct an “Injection-Production Coupling—Intelligent Regulation’
production system. Numerical simulation results show that compared to traditional development
methods, this scheme increases the condensate oil recovery by 18.7 percentage points (from 43.9%
to 60.9%), while reducing the water cut increase rate by approximately 34%. It strikes a balance
between efficient condensate oil displacement and water invasion suppression.

7
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5 Conclusions and Suggestions for Further Research

This study presents core displacement experiments conducted on the P block condensate gas
reservoir, where we divided the CO, displacement process into distinct stages. These findings
offer practical guidance for optimizing subsequent CO; flooding and production strategies. Using
the CMG simulator, we performed numerical simulations to validate our model and developed
a macro-scale numerical simulation mechanism that accounts for both retrograde condensation
and water invasion effects. Additionally, we carried out sensitivity analyses on key physical
parameters of the P block, providing critical parameter support to enhance condensate oil recovery
in this reservoir.

Our main conclusions are as follows:

(1) Under depletion, retrograde condensation causes a high-saturation condensate bank to form
near the wellbore, sharply reducing gas relative permeability and trapping a significant portion
of liquid hydrocarbons. Simulation results show that condensate saturation can exceed 25%
in the near-wellbore zone, with the effect being more severe in high-permeability layers of
composite rhythmic reservoirs.

(2) During CO; injection, the displacement process progresses through four distinct GOR-based
stages—gas-free, minimal gas presence, gas breakthrough, and gas channeling—which
correspond to clear front-movement patterns. In reservoirs with bottom-water drive, the
advancing CO; front forms an inclined wedge shape toward the water contact, and CO,
preferentially sweeps upper high-permeability layers before gradually penetrating lower
zones. This layered front movement mitigates direct contact between the water cone and the
production well, delaying water breakthrough.

(3) Numerical simulations yielded well-fitted results, allowing us to determine an optimal
production strategy through careful selection of target areas and injection parameters. The
strategy involves: selecting composite rhythmic reservoirs; conducting depletion production
at a rate of 5 x 10* m3/d; injecting CO; to restore formation pressure from 13.5 MPa (when
pressure drops to this level) back to 22.5 MPa; and then maintaining constant-pressure
production at 5 x 10* m3/d. In the optimized case, condensate oil recovery increased by
18.7 percentage points (from 43.9% to 60.9%), while the water cut rise rate decreased by
~34%. Visualization of simulation outputs shows that CO, injection redistributes condensate
saturation—reducing near-wellbore liquid holdup to below 10%—and suppresses water cone
development by maintaining a gas barrier above the aquifer.

(4) This study establishes, for the first time, a four-dimensional optimization framework that
integrates geological factors (rthythmicity and permeability) and engineering factors (injection
pressure and rate). By analyzing how reservoir heterogeneity influences fluid sweep patterns
and how injection parameters can be adjusted to counteract these effects, we developed a visual
optimization guide. This guide explicitly links geological architecture to CO; front geometry,
condensate bank dissipation, and water invasion suppression, improving the adaptability and
effectiveness of CO; flooding strategies in condensate gas reservoirs.

One limitation of this study is its focus on Block P, whose geological and fluid properties may

not fully represent other condensate gas reservoirs. Due to confidentiality constraints, detailed
field application data cannot be publicly disclosed. To address this and enhance the generalizability
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of the proposed strategies, future research will expand experimental and simulation efforts in
three key directions: (1) Quantifying scale effects using fine-grid simulation (10 x 10 x 0.5 m
grids) to capture sub-meter heterogeneities, ensuring more accurate extrapolation from core to
tield scale; (2) Optimizing well density (1-3 injectors per producer) to balance sweep efficiency and
economic feasibility, which is critical for adapting the strategy to diverse reservoir development
scenarios; (3) Integrating geochemical modules (e.g., CMG-STARS) to simulate CO,-brine-rock
interactions and their impacts on porosity / permeability evolution, thereby accounting for complex
CO, dissolution-precipitation dynamics. These extensions will help validate the applicability
of the proposed approach across varying permeability ranges, heterogeneity patterns, and
reservoir settings.
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